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Deep shale gas reservoirs are a significant alternative type of shale gas reservoir in China. The productivity of deep shale gas wells
is lower than that of shallow shale, and the imbibition characteristics of deep shale have a significant effect on the retention and
backflow of fracturing fluid and the productivity of shale gas wells. In this study, the pore structure characteristics of organic-rich
deep shale in the Lower Silurian Longmaxi Formation of Weiyuan-Luzhou play were analyzed by low-temperature nitrogen
adsorption experiments, and then the imbibition characteristics and factors influencing deep shale were extensively investigated
by spontaneous imbibition and nuclear magnetic resonance experiments. The results show that mainly micropores and
mesopores are growing in the deep organic-rich shale of the Longmaxi Formation. The spontaneous imbibition curve of deep
shale can be divided into an initial spontaneous imbibition stage, an intermediate transition stage, and a later diffusion stage,
and the imbibition capacity coefficient of deep shale is lower than that of shallow shale. The transverse relaxation time (T2)
spectrum distributions suggest that clay hydration and swelling produce new pores and microcracks, but then some pores and
microfractures close. Deep shale reservoirs have an optimal hydration time when their physical properties are optimal. The
increasing pore volume and the decreasing TOC content can enhance the imbibition capacity of shale. An inorganic salt
solution, especially a KCl solution, has an inhibitory effect on the imbibition of shale. Higher salinity will result in a stronger
inhibitory effect. It is crucial to determine the optimal amount of fracturing fluid and soaking time, and fracturing fluid with a
high K+ content can be injected into the Longmaxi Formation deep shale to suppress hydration. These results provide
theoretical guiding significance for comprehending the spontaneous imbibition and pore structure evolution characteristics of
deep shale and enhancing methane production in deep shale gas reservoirs.

1. Introduction

Shale gas resources in China are abundant, the proven accu-
mulated shale gas reserves were 1:7865 × 1012 m3 in China
by the end of 2019, and shale gas production is expected to
reach 5:0 × 1010 m3 in 2030 [1]. There is no doubt that shale
gas has become the most crucial component of Chinese nat-
ural gas production in recent decades. At present, the exploi-
tation of shallow marine shale gas reservoirs (shallower than

3500m) in China has achieved outstanding results. How-
ever, the production of shale gas wells has experienced a
sharp decline in three years, and it is necessary to find new
blocks and layers for production. Deep shale gas reservoirs
(deeper than 3500m) account for more than 65% of the total
resources and are a hotspot and alternative for shale gas
research in China [2]. However, similar to deep shale gas
reservoirs in North America, the gas production of deep
shale gas wells in the Weiyuan, Fuling, and Fushun-
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Yongchuan blocks in China is relatively low after the frac-
turing [3, 4]. The fracturing effect and production of shale
gas wells are closely related to the retention, imbibition,
and backflow of fracturing fluid.

Shale gas reservoirs are self-generated and self-stored,
with tight reservoirs dominated by nanoscale pores and
characterized by low porosity (2%~8%) and ultralow perme-
ability (10~100 nD) [5]. Horizontal wells and multistage
fracturing and large hydraulic fracturing technology effi-
ciently improve the development of shale gas, and the pore
capillary pressure after fracturing can reach several hundred
MPa [6]. The capillary force drives the fracturing fluid into
the shale reservoirs and causes retention, and the dry gas res-
ervoir backflow rate is lower than that of water (oil) gas res-
ervoirs [7, 8]. A large amount of retained fracturing fluid in
shale formations is imbibed by the surrounding shale matrix,
microfractures, and other fracture networks through capil-
lary forces, gravity, hydrogen bond forces, van der Waals
forces, and hydration forces [9–11]. The hydration and
swelling of clay result in lower formation permeability and
shale reservoir water blockage, leading to a significant
decrease in gas productivity. Some studies have indicated
that the clay swelling caused by water-rock reactions in some
shale reservoirs produces microfractures [12–14], which can
lead to the removal of water blockages in shale reservoirs
and an increase in gas well productivity [15]. Shale hydra-
tion characteristics are closely related to clay mineral com-
position, and Zeng et al. [16] reported that shale with a
high illite content is not prone to hydration and thus has
limited room for pore structure improvement. Shale with a
high smectite content is prone to hydration and swelling
and thus has a higher potential for pore structure improve-
ment by stimulation.

In recent years, many studies have been conducted on
the imbibition capacity of shale [17–19]. The imbibition
capacity of shale is mainly related to the mineral content
and pore structure, especially the content of smectite and
illite/smectite mixed layer (I/S) minerals [17]. Gao et al.
[18] found that the hydrophilic inorganic pores of shale with
high clay content are well grown, while the oil-wet organic
pores of organic-rich shale are well developed. Biogenic sil-
ica has strong compressive resistance, and samples rich in
quartz are conducive to preserving the connected pores to
promote the imbibition of water [20]. In addition, with
increasing sample porosity and pore volume, the connectiv-
ity of the pore network improves [19]. The addition of sur-
factant can change the wettability of the shale surface to
water and reduce the loss of fracturing fluid [21]. The salt
solution could reduce the osmotic pressure of the clay semi-
permeable film, which would reduce the imbibition ability of
shale. Ions in a salt solution (Ca2+, Ba2+, CO3

2-, SO4
2-) may

chemically interact with clay to block pores in certain pore
size ranges, thereby reducing the spontaneous imbibition
capacity of shale [22]. Zhou et al. [23] found that the influ-
ence of fracturing fluid composition largely depends on the
clay content of shale. Zeng et al. [16] also announced that
inorganic cations could inhibit the hydration and swelling
of clay minerals and have a stronger inhibitory effect on illite
expansion, especially K+. However, there are differences in

mineral composition and pore structure between deep shale
and shallow shale. Therefore, it is necessary to understand
the spontaneous imbibition and pore structure evolution
characteristics and influencing factors of deep shale to opti-
mize the extraction conditions in shale gas reservoirs.

In this study, the petrophysical properties of deep shales
from the lower Silurian Longmaxi Formation shales of the
southern Sichuan Basin, China, were measured, and the
spontaneous imbibition of deep shales was evaluated using
low-field nuclear magnetic resonance and a high-precision
electronic balance. The spontaneous imbibition characteris-
tics of deep shale were analyzed, and the T2 spectral
characteristics during shale imbibition were evaluated. Fur-
thermore, the effects of mineral composition, TOC content,
pore structure, and inorganic salt solution on imbibition
characteristics were discussed.

2. Materials and Methods

The southern Sichuan Basin is located at the southwest mar-
gin of the Upper Yangtze Platform in southern China. The
Lower Silurian Longmaxi Formation shale in the Weiyuan-
Luzhou area is buried at a depth of 3500~4500m. It was
mainly deposited in the Early Silurian Rhuddanian-
Aeronian Age (439–444Ma BP), which was in a shelf plain
to shallow water shelf environment [24]. In this study,
eight samples were selected from the Longmaxi Formation
shale in well W and well L with a sampling depth of
3873~4041m. Sample sizes and other information are
listed in Table 1. The porosity of shale samples was mea-
sured by the fluid saturation method, and permeability
was obtained by the pressure pulse decay method, and
the above tests were performed at Analysis Experiment
Center of Exploration and Development Research Institute
of Petrochina Southwest Oil and Gasfield Company.

Some shale samples were crushed to powder, and then
the mineral composition and total organic carbon content
were tested by an XRD analyzer and carbon-sulfur analyzer.
The Bruker D8 Advance Diffractometer has a scanning
speed of 10°/min and a step width of 0.02°. Low-
temperature nitrogen adsorption experiments were carried
out by using an automatic surface analyzer produced by
micromeritics. The parameters of pore size distribution
and specific surface area were calculated using the adsorp-
tion branch of low-temperature nitrogen curve data. Pore
connectivity is determined by the pore structure characteris-
tics of shale reservoirs and affects fluid migration in shale gas
reservoirs. The pore size distribution and specific surface
area of shale can be obtained by low-temperature nitrogen
adsorption data, DFT models, and BET models [24–27].

The experimental process of shale sample spontaneous
imbibition and nuclear magnetic resonance (NMR) is shown
in Figure 1. Before the experiment, the shale plunger samples
were dried at 65°C for 24 hours to remove moisture. First,
the sample was soaked in salt solution. Second, it was taken
out at regular intervals to remove the surface moisture, and
then the wet weight of the sample was measured. Finally,
the characteristics of fluid distribution in the pores of the
core samples were obtained by using Newmark’s low-field
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nuclear magnetic resonance equipment. Step 3, step 1, and
step 2 were processed in circulation until the sample mass
remained unchanged. The size of the experimental shale
samples is listed in Table 1. To prevent the samples from
splitting seriously, NaCl solution with a salinity of Cl- of
15,000mg/L listed in Table 2, such as the salinity of forma-
tion water, was selected to study the effect of sample mineral
composition and pore structure on the imbibition character-
istics. Meanwhile, to investigate the effect of inorganic salt
solution on imbibition characteristics, L10 samples were
subjected to spontaneous imbibition experiments with salt
solutions containing different salts and with different salin-
ities, as listed in Table 3. The instrument model was
MiniMR-VTP, and the CPMG pulse sequence was used to
acquire the signal several times. The parameters of the
CPMG sequence include echo time interval (TE), waiting
time (TW), echo number (NE), and repeated sampling num-
ber (NS). To reflect the characteristics of the shale micro/na-
nopore structure as much as possible, the parameter settings

were as follows: TE = 0:07ms, TW= 2500ms, NE = 2000,
and NS = 16. To facilitate the comparative analysis, the
above parameters were set in the follow-up test.

3. Theory

A large number of investigations have been conducted on
the characteristics and evaluation methods of spontaneous
imbibition. Lucas [28] and Washburn [29] derived a linear
relationship between the invasion height of the fluid in cap-
illaries with equal cross-sections and the square root of time
when gravity and inertia were ignored. The model is usually
called the LW equation. Tight shale reservoirs are domi-
nated by nanoscale pores, and spontaneous imbibition is a
process in which the nonwetting phase replaces the wet
phase. Suction is mainly a capillary force, and gravity is often
negligible. The function equation for the spontaneous imbi-
bition volume and time in homogeneous porous media was
obtained by Handy [30]. For the porous media with good

Table 1: Some measured properties of the deep Longmaxi Formation shales samples.

No. Depth(m) Diameter (mm) Height (mm) TOC (%) Porosity (%) Permeability (mD)

W1 3873.63-3873.71 24.97 24.68 1.56 5.05 0.0000598

W2 3873.92-3874.00 24.76 16.50 1.08 7.12 0.0004471

W3 3882.12-3882.19 24.76 24.58 4.50 7.25 0.0000077

W5 3886.99-3887.13 25.28 21.19 3.37 5.60 0.0001923

L6 4014.87-4014.96 24.76 27.92 2.49 3.15 0.0002595

L8 4020.38-4020.60 24.8 56.07 2.76 5.26 0.0000998

L9 4026.12-4026.23 25.3 23.45 3.98 6.25 0.0001979

L10 4031.23-4031.44 24.4 45.54 5.28 5.65 0.0001667

N S

Oven for dry sample

Imbibitition testing

Salt solution
Balance Low-field NMR equipment

Sample

Step 1 Step 2

Step 3

Figure 1: The experimental process of shale sample spontaneous imbibition and NMR.

Table 2: Spontaneous imbibition curve parameters of the deep Longmaxi Formation shale samples.

Sample number Solution Stage I slope Stage II slope Stage III slope Peak value

W1

NaCl: Cl- of 15,000mg/L

0.0651 0.0056 0.000373 0.0499

W2 0.0601 0.0031 0.000412 0.0580

W3 0.0801 0.0021 0.000633 0.0674

W5 0.0456 0.0029 0.000367 0.0629

L6 0.0825 0.0026 0.000681 0.0486

L8 0.0538 0.0041 0.000137 0.0356

L9 0.0346 0.0059 0.000624 0.0588

L10 0.0298 0.0094 0.0051 0.0511
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pore connectivity, the slope of the square root curve of
cumulative spontaneous imbibition height (H) and time in
the logarithmic-logarithmic graph is generally 0.5. However,
due to the complexity of the shale pore structure, the cumu-
lative imbibition height of shale deviates significantly from
Handy’s model [31]. Shale samples with poor pore connec-
tivity have a curve slope of approximately 0.26, while those
with moderate pore connectivity have a curve slope of
0.26-0.5 [31, 32]. The abnormal characteristics of shale are
caused by the intensive heterogeneity of the pore network,
poor connectivity, and the existence of clay. Yang et al.
[33] proposed a new method to evaluate the imbibition
capacity of shale reservoirs, which defined the ratio of imbi-
bition volume and volume of rock sample as the spontane-
ous imbibition capacity of rock and effectively eliminated
the influence of the size and shape of shale rock on the imbi-
bition characteristics. The slope of the curve is the spontane-
ous imbibition rate, and the peak value is the spontaneous
imbibition capacity. The model can be expressed as follows:

V Imb
AcL

=
2peφ Swf − Swi

� �

μg/kg
� �

+ μw/kwð Þ
� �

2

4

3

5

1/2
t

L2

� �1/2
, ð1Þ

where L is the core length, cm; Ac is the cross-sectional
area of water imbibition, cm2; Swf is the water saturation
of the leading edge, %; V Imb is the volume of the inhaled
liquid, cm3; pe is the capillary force, Pa; φ is the porosity,
fraction, Swi is the initial water saturation, %; μg and μw
are the viscosity of gas and water, respectively, Pa·s; and
kg and kw are the permeability of gas and water, respec-
tively, mD.

In the process of shale spontaneous imbibition, the low-
field NMR technology can be used to monitor the distribu-
tion characteristics of the fluid in real time. The transverse
relaxation time (T2) spectrum of NMR is widely used in
the laboratory and logging fields [34–36]. The formula of

Table 4: Mineralogical composition of these deep shales based on XRD analysis (%).

No. Quartz Feldspar Calcite Dolomite Pyrite Total clay
Relative content of clay minerals

Illite Chlorite Kaolinite I/S

W1 43.7 3.1 3.3 2.5 1.4 46.0 53.0 12.0 7.0 28.0

W2 33.4 5.2 1.4 1.1 6.1 52.8 52.0 13.0 5.0 30.0

W3 49.1 2.7 4.4 4.1 2.8 36.9 62.0 13.0 5.0 20.0

W5 46.7 2.8 5.2 5.5 2.1 37.7 55.0 14.0 6.0 25.0

L6 50.0 2.8 5.8 5.5 2.3 33.6 50.0 15.0 5.0 30.0

L8 53.1 3.0 5.4 2.8 2.4 33.3 56.0 16.0 3.0 25.0

L9 56.0 3.6 2.0 2.4 2.3 33.7 67.0 13.0 0.0 20.0

L10 54.1 3.3 4.0 7.2 2.4 29.0 67.0 11.0 4.0 18.0

Table 5: Pore structure parameters of the deep shale samples.

No.
Specific surface area

(m2/g)
Pore volume

(cm3/g)
Micropore volume

(cm3/g)
Mesopore volume

(cm3/g)
Macropore volume

(cm3/g)

W1 18.4568 0.025712 0.004242 0.010381 0.011089

W2 16.4318 0.012139 0.003767 0.007610 0.000762

W3 25.0481 0.029543 0.006281 0.013266 0.009996

W5 25.3169 0.020872 — 0.020137 0.000735

L6 20.5497 0.012404 0.005311 0.006599 0.000494

L8 14.7216 0.009976 0.003499 0.005904 0.000573

L9 27.2875 0.016899 0.007120 0.009107 0.000672

L10 19.6068 0.012800 0.004978 0.007146 0.000676

Table 3: Parameters of imbibition curves of the deep shale samples in different salt solutions.

No. Solution Stage I slope Stage II slope Stage III slope Peak value

L10

NaCl: Cl- of 15,000mg/L 0.0298 0.0094 0.0051 0.0511

KCl: Cl- of 15,000mg/L 0.0230 0.0049 0.0021 0.03315

NaCl: Cl- of 20,000mg/L 0.0246 0.0070 0.0032 0.04544

NaCl: Cl- of 30,000mg/L 0.0222 0.0062 0.0019 0.03533
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lateral relaxation time T2 of fluid in pores can be expressed
as follows:

1
T2

=
1
T2S

+
1

T2D
+

1
T2B

, ð2Þ

where T2B is the bulk relaxation time, T2S is the surface
relaxation time, and T2D is the diffusion relaxation time.

For the T2 relaxation time of rock, the volume relaxation
and diffusion relaxation times are usually ignored and sim-
plified as
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Figure 2: Low-temperature nitrogen adsorption isotherm curves of the deep Longmaxi Formation shale.
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Figure 3: Pore structure characteristics of the deep Longmaxi Formation deep shale.
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1
T2

=
1
T2S

, ð3Þ

The surface relaxation time T2S is related to the pore vol-
ume and pore surface area, and its formula can be written as

1
T2S

= ρ2
S
V
, ð4Þ

where ρ2 is the transverse surface relaxation rate of the sam-
ple, m/s; S is the pore surface area, m2; and V is the pore vol-
ume, m3.

Assuming the pore is tubular, the relationship between
T2 and pore radius can be expressed as

1
T2

= ρ2
1
r
: ð5Þ

Therefore, the transverse relaxation time (T2) spectrum
of the NMR reflects the characteristics of pore size distribu-
tion, and the T2 value is positively correlated with the pore
radius R. The T2 relaxation time of the fluid in the large pore
is longer, and the T2 relaxation time of the fluid in the small
pore is shorter. In addition, the more fluid in the pores, the
greater the signal amplitude.

4. Results

4.1. Characterization of Shale Properties. The burial depth of
these deep Longmaxi Formation shales of the southern
Sichuan Basin, China, is over 3500m, where the maturity
of the gas shale reaches the overmature stage. The measured
characteristics and mineralogical composition of the deep
Longmaxi Formation shales in this study are shown in
Tables 1 and 4. As seen from these results, the TOC content
values range from 1.08% to 5.28%, with an average of 3.13%.
The mineral composition is dominated by quartz and clay
minerals, and the quartz content varies between 33.4% and
56.0%, with an average of 48.89%. The content of clay ranges
from 29.0% to 52.8%, with an average of 37.9%, mainly illite,

with fewer minerals such as illite/smectite mixed layers. The
pore structure parameters are shown in Table 5. The DFT pore
volumes of absorbed nitrogen vary between 9.98×10-3 cm3/g
and 2.95×10-2 cm3/g, and the BET-specific surface area
values range from 14.72m2/g in sample L8 to 27.29m2/g
in sample L9.

As shown in Figure 2, during the low-temperature nitro-
gen adsorption process, the shale samples undergo the
capillary condensation. The low-temperature nitrogen
adsorption and desorption curves form a hysteresis loop,
and the shape of the hysteresis loop can reflect the pore
shape [37]. In this study, the hysteresis loops of low-
temperature nitrogen adsorption and desorption curves of
shale samples are similar to those of H2(a)- and H2(b)-type
hysteresis loops recommended by the International Union of
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Figure 4: Relationship between porosity and TOC of the deep
Longmaxi Formation shale samples.
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Pure and Applied Chemistry (IUPAC) and have the charac-
teristics of H3-type hysteresis loops. The results indicate that
the deep shale of the Longmaxi Formation has inkbottle
pores with narrow pore throats and large pore bodies, paral-
lel plate fracture pores, and wedge V-shaped pores. There
are also some cylindrical pores and microcracks open at
both ends. Inkbottle pores are mostly intergranular, devel-
oped in brittle minerals such as quartz and calcite, and par-
allel plate-shaped fractures or wedge V-shaped pores are
mainly related to interlayer pores and microfractures of clay
minerals [37].

As shown in Figure 3(a), samples W2, L6, L8, L9, and
L10 have two obvious peaks at 2 nm and 10nm. However,
for the W1, W3, and W5 samples, there are three peaks at
2 nm, 10nm, and 150nm, indicating that those pore struc-
ture characteristics are more complex than those of the other
samples. Similarly, the cumulative pore volume curve of
shale pore size in Figure 3(b) demonstrates that the pore vol-
ume of samples W1, W3, and W5 is larger than 0.02 cm3/g,
and the macropores are relatively enlarged. Micropores and
mesopores are mainly dominant in the other samples, and
the volume of macropores is lower. Figure 4 reveals that
the porosity of shale samples has a certain positive correla-
tion with TOC content, which implies that TOC content is
a key effect on porosity.

4.2. Spontaneous Imbibition Characteristics of Shale. In this
study, the shale samples were put into NaCl solution with
a salinity of Cl- of 15,000mg/L, and the experimental results
are shown in Figure 5. The spontaneous imbibition curves of
different shale samples have similar overall characteristics;
that is, the imbibition proportion (imbibed mass/sample
mass) increases over time until reaching the equilibrium.
The imbibition proportion of shale changes over time,
namely, the imbibition proportion in the initial stage
increases rapidly over time, and then the rising speed slowly

decreases to zero. Different shale samples have different
imbibition proportions, which are mainly determined by
the mineral composition and pore structure characteristics
of the shale itself.

When aqueous solutions are injected into organic-rich
shales, the charged regions of the clay imbibe water mole-
cules through the interlayer space of the clay. The imbibition
volumes of some samples may be larger than the originally
measured pore volumes due to the semipermeable mem-
brane characteristic of the clay [38, 39]. Yang et al. [39]
found that the imbibition volume of some shale samples
could reach 400% of the measured pore volume. The maxi-
mum imbibition capacity of the shale matrix can be used
to estimate the volume of fracturing fluid and evaluate the
severity of water blockage [39]. The imbibition capacity
coefficient is defined as the ratio between the total imbibition
volume and pore volume [14], and the formula is as follows:

R = MImb
ρV∅

, ð6Þ

where R is the imbibition capacity coefficient, MImb is the final
imbibition mass, g, ρ is the imbibition liquid density, g/cm3,
V is the rock volume, cm3, and∅ is the rock porosity, %.

Figure 6 shows that the imbibition capacity coefficient of
deep shale in Weiyuan and Luzhou are approximately 1,
which is lower than that of shallow shale [39]. The reason
is that the clay minerals in the Longmaxi Formation deep
shale are mainly illite and contain fewer clay minerals such
as illite/smectite mixed layers [40, 41]. Similar to shallow
shale, deep shale with a high illite content has an insufficient
diffusion capacity; thus, water molecules are likely to induce
water blocks [16, 42]. Therefore, attention should be given to
reducing the amount of injected fracturing fluid in the pro-
cess of deep shale fracturing.
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4.3. Characteristics of Imbibition Curve of Shale. According
to the experimental data of spontaneous imbibition in shale
samples, the model proposed by Yang et al. [33] can be used
to obtain the relationship between V Imb/AcL −

ffiffiffiffiffiffiffiffi
t/L2

p
, as

shown in Figure 7. The peak value of the curve represents
the imbibition capacity of the shale, and the slope represents
the imbibition rate. The spontaneous imbibition curve of
shale is clearly divided into three sections: the initial sponta-
neous imbibition stage I, the intermediate transition stage II,
and the late diffusion stage III. In the initial spontaneous
imbibition stage, the imbibition volume increases rapidly
with increasing time. The liquid is inhaled and filled with
the main connected inorganic pores and microfractures
under the action of capillary force and chemical osmotic

Clay‑hydration induced fractures

Figure 9: Clay hydration-induced fractures of the deep shale
during imbibition.
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pressure, and the imbibition rate is relatively high. The sec-
ond part is the intermediate transition stage. As the water
saturation increases, the capillary force is greatly reduced,
and the imbibed volume of microcracks and inorganic pores
decreases. Thus, the imbibition rate gradually slows down.
The imbibition rate is ultralow in the late diffusion stage.
The liquid sucked into the macropores diffuses into the finer
nanomatrix pores under the action of capillary force and
then enters the clay particles under the action of chemical
osmotic pressure.

The model proposed by Yang et al. [33] is used to fit the
spontaneous imbibition curve in Figure 7, and the spontane-
ous imbibition parameters obtained are listed in Table 2.
The spontaneous imbibition rate and capacity of different
shale samples are quite different and are determined by the
mineral composition and pore structure of the shale reser-
voirs, which will be discussed and analyzed in the following
section.

4.4. T2 Spectral Characteristics during Shale Imbibition. The
NMR T2 spectra revealed the distribution characteristics of
the fluid in shale and reflected the pore structure character-
istics. Figure 8 demonstrates the variation in T2 spectra of
different shale samples during imbibition. The T2 spectra
of samples W2, W3, W5, L6, L8, and L9 have similar overall
characteristics as sample W1. There are two peaks (the left
peak area is much larger than the right peak area) in
Figure 8(a), the left peaks range from 0.1ms to 1ms, and
the right peaks vary between 10ms and 20ms, which indi-
cates that these mainly contain micropores. In Figure 8(b),
the left peak of sample L10 ranges from 0.1ms to 1ms,
and the right peak varies from 3ms to 6ms. However, the
T2 spectrum of sample L10 is different from that of sample
W1, and the right peak is dominant, indicating that meso-
pores are the majority in sample L10. With increasing imbi-
bition time, more fluid enters the pores under the capillary
force and the osmotic pressure of the clay semipermeable
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Figure 10: Relationship between spontaneous imbibition rate and mineral composition and TOC content of the deep shale.
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membrane, the left and right peaks of the sample T2 spec-
trum gradually move to the upper right, and the right and
lower ends of the left and right peaks also move to the right,
indicating the occurrence of new pores and fractures [13,
35]. Meanwhile, the microcracks on the surface of shale
samples were also found to increase gradually during the
experiment in Figure 9. However, the T2 spectrum shows
that the right end of the right peak moved to the right first
and then to the left, indicating that the clay continued to
swell as the imbibition volume and time increased, leading
to the closure of some microcracks.

Deep shale with a high illite content has an insufficient
diffusion capacity and is not prone to hydration and thus
has limited room for pore structure improvement. Deep
shale reservoirs have an optimal hydration time when their
physical properties are the best, and shale with a high illite
content has a shorter optimal hydration time [16]. Thus,
attention should be given to controlling the amount of frac-

turing fluid and the soaking time during the fracturing pro-
cess of the Longmaxi Formation deep shale reservoirs.

5. Discussion

5.1. The Effects of Mineral Composition and TOC Content on
Imbibition Characteristics. The quartz and clay mineral
composition of the Longmaxi Formation deep shale
accounted for 83.1%~92.5% of the total mineral composi-
tion. Therefore, the effect of quartz and clay on the sponta-
neous imbibition experiments is mainly investigated in this
study. Figures 10(a) and 10(b) demonstrate that the imbibi-
tion rates of stage I in well W and well L are almost irrele-
vant with the clay and quartz contents. That means the
correlation between the imbibition rates of stage I and clay
minerals and quartz needs further research. However,
Figure 10(c) reveals that as the TOC content increases, the
imbibition rate decreases. The reason is that the
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fundamental controlling factor of wettability is mineral com-
position and functional group, and marine shale of the
Longmaxi Formation with the higher TOC content has a
stronger water-repellant property [43, 44]; so, the higher
TOC content would weaken the water imbibition rate.

5.2. The Effect of Pore Structure on Imbibition
Characteristics. Low-temperature nitrogen adsorption
results show that the pore structures of the shale samples
are different, which may lead to different fluid imbibition
characteristics. Thus, the relationship between shale pore
structure and imbibition rate and imbibition capacity is
investigated in this study, and the results are shown in
Figure 11. Figures 11(a) and 11(b) demonstrate that the
shale spontaneous imbibition rates and imbibition capacities
in well W and well L have a certain positive correlation with
the pore volume, indicating that the connectivity of the pore
network improves with increasing pore volume. However, in
Figure 11(c), there is no obvious correlation between the
imbibition rate and the specific surface area (SSA). The
imbibition capacity has a certain positive correlation with
the specific surface area in Figure 11(d), namely, the imbibi-
tion capacity also increases with increasing specific surface
area.

5.3. The Effect of Inorganic Salt Solution on Imbibition. Inor-
ganic cations can inhibit the imbibition capacity of shale to a
certain extent. It can be concluded from Figure 12 and
Table 3 that the type and salinity of inorganic salt solution
have a significant effect on the imbibition rate and imbibi-
tion capacity of shale. The higher the salinity of the NaCl
solution is, the lower the spontaneous imbibition rate and
imbibition capacity of shale. In addition, under the same
salinity, the spontaneous imbibition rate and imbibition
capacity of shale in KCl solution are both lower than those
in NaCl solution, indicating that the imbibition inhibition

effect of K+ on shale is greater than that of Na+. The mech-
anism is that the hydration energy of K+ is lower, and the
electrostatic attraction between the clay cell crystal layer
and K+ is larger; so, the dispersion inhibition of clay is stron-
ger. On the other hand, Na+ has a high hydration energy,
and the electrostatic attraction between the clay cell crystal
layer and Na+ is smaller, and thus its inhibition effect on
the hydration and expansion of clay is low [45]. Conse-
quently, to suppress shale hydration, fluids with a high K+

content can be injected into the Longmaxi Formation deep
shale.

6. Conclusions

In this study, the petrophysical properties of deep shales
were measured in the Longmaxi Formation of the southern
Sichuan Basin, China, and the spontaneous imbibition and
T2 spectral characteristics of deep shales were evaluated with
high-precision electronic balance and low-field nuclear mag-
netic resonance. Moreover, the effects of mineral composi-
tion, TOC content, pore structure, and inorganic salt
solution on imbibition were discussed. According to the
above results, the main conclusions from this study are sum-
marized as follows:

(1) The Longmaxi Formation deep shale in southern
Sichuan is generally rich in organic matter, with an
average TOC content of 3.13%. Quartz is the main
mineral in deep shale, with an average content of
48.89%, followed by clay, with an average content
of 37.9%, which is mainly illite, with fewer minerals
such as illite/smectite mixed layers. Micropores
(<2nm) and mesopores (2~ 50 nm) are the main
pores, and TOC content is a key effect on porosity
of the deep Longmaxi Formation shale.
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(2) The variation in the T2 spectra with imbibition time
demonstrates that clay hydration and swelling pro-
duce new pores and microcracks, but with increasing
imbibition volume and time, some pores and micro-
cracks close again. The deep Longmaxi Formation
shale, with a high illite content, is not prone to
hydration and thus has limited room for pore struc-
ture improvement. Shale with a high illite content
has a shorter optimal hydration time. Therefore,
attention should be given to determining the amount
of fracturing fluid and the soaking time during the
fracturing process of the Longmaxi Formation deep
shale.

(3) The imbibition capacity of deep shale is determined
by the mineral composition, pore structure, and
inorganic salt solution. The Longmaxi Formation
deep shale contains fewer clay minerals such as illi-
te/smectite mixed layer, and its imbibition capacity
coefficient is lower than that of shallow shale. Higher
TOC content would weaken the water imbibition
rate of the deep Longmaxi Formation shale. The
inorganic salt solution has an inhibitory effect on
the imbibition of shale. The inhibitory effect of K+

on the imbibition of shale is greater than that of
Na+ at the same salinity, and the higher salinity will
have a stronger inhibitory effect. Consequently, to
suppress shale hydration, fluids with a high K+ con-
tent can be injected into the Longmaxi Formation
deep shale.
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