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ABSTRACT
Despite the success of hydraulic fracturing in yielding large production increases from shale gas reservoirs, uncertainties associated with basic
transport processes require understanding in order to improve the efficiency and minimize environmental impacts. The hydraulic fracturing
process brings in large volumes of water into shale reservoir formations, most of which remains unrecoverable and interferes with shale gas
production. The imbibition behavior in shales is commonly observed during the hydraulic fracturing process, and the mechanism greatly
influences the hydrocarbon recovery in shale gas reservoirs. In this review, the imbibition models in shales are briefly summarized using
the Lucas–Washburn model, piston repulsion model, capillary bundle model, and scalar model. Then the experimental study and numerical
simulation of shale imbibition are discussed. Moreover, the influencing factors of the imbibition behavior in shales are analyzed, such as
shale and fluid properties. Finally, the main conclusions and the future research direction prospects of the imbibition behavior in shale gas
reservoirs are summarized. An accurate description of the imbibition behavior in shale is crucial for optimizing the hydraulic fracturing design
and enhancing shale gas production in the development of shale gas reservoirs. It is proposed that the research on the individual influencing
factors of shale percolation and the geological mechanism under coupling should be strengthened and that the research on the experimental
aspects of shale powder percolation should be emphasized.

© 2023 Author(s). All article content, except where otherwise noted, is licensed under a Creative Commons Attribution (CC BY) license
(http://creativecommons.org/licenses/by/4.0/). https://doi.org/10.1063/5.0161989

I. INTRODUCTION

Shale gas has become one of the important supply sources for
satisfying the oil and gas energy demand in the United States and
Canada, and its related extraction technology is becoming more
mature. According to statistics, the shale gas reserves in China are
close to 25 trillion cubic meters, mainly located in the Sichuan Basin,
Ordos, the Tarim Basin, and other regions.1,2 China’s gas-bearing
shale formations are characterized by high thermal maturity and a
high degree of later modifiability. Shale gas reservoirs are also mainly
characterized by terrestrial deposits with a complex distribution.
Organic shale gas will become one of the important sources of fossil
energy in China in the future.3 Shale gas targets with potential for
extraction have been detected and realized in southwestern China.4
Shale gas extraction requires the use of high-pressure surface pumps

to create fractures by pushing highly viscous fracturing fluid through
the wellbore into the reservoir. When the pressure exceeds the frac-
ture pressure of the reservoir rock near the bottom of the well, the
rock will be pressed open and fractured.5

After the fracturing process, the residual fracturing fluid and
the rock will undergo complex seepage, so understanding the seep-
age characteristics of shale is an important guide to shale gas
extraction.6,7 Shale seepage is an important manifestation of the
interaction between the fracturing fluid and shale. Seepage is a
common phenomenon in conventional porous media, but due to
the complex pore structure and non-uniform nature of shale, the
mechanism of shale seepage is relatively incomplete. Lucas and
Washburn proposed that the seepage distance in capillaries is time-
dependent,8,9 but the Lucas–Washburn (LW) model has not been
sufficiently applicable.10 In recent years, with the lucubrate study
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of shale seepage, many scholars have proposed modified equa-
tions based on this model to cope with more complex seepage
situations. In the experimental study of seepage, the mainstream
research method is to use the nuclear magnetic resonance (NMR)
technique to investigate the seepage mechanism. Combined with
simulation techniques such as molecular dynamics and the lattice
Boltzmann method, the seepage process can be more accurately
obtained.9,11,12

In this review, the imbibition models in shales are summarized
using four models, namely, the LW model, piston repulsion model,
capillary bundle model, and scalar model. Then the experimental
study and numerical simulation of shale imbibition are discussed.
Moreover, the influencing factors of the imbibition behavior in
shales are analyzed. Finally, the main conclusions and the future
research directions prospects of the imbibition behavior in shale gas
reservoirs are summarized.

II. IMBIBITION MODELS IN SHALES
Although the term “seepage” has been predominantly used for

petroleum since 1994, studies on seepage began early and have led
to the development of a more comprehensive theory of seepage. The
earliest seepage models are the Lucas–Washburn (LW) equation and
the Handy model,9,13 which simplify the seepage process by treating
the shale interior as a capillary system. They researched the seepage
process within a single capillary to obtain the relationship between
seepage distance and time, but they ignored the influence of inertial
forces and so on. Thus, there exist the problem of low applicabil-
ity. On this basis, many scholars have proposed a relatively accurate
but complex extended seepage model, which can more accurately
describe the spontaneous water absorption process in different wet-
tability capillaries. Under different rock boundary conditions, the
related descriptions such as OEO (one end open) and TEO (two end
open) have been proposed.14

A. Lucas–Washburn model
As early as 1918, Richard used percolation experiments with

liquids of different viscosities on absorbent paper to study the rela-
tionship between the amount of liquid percolation and time in the
capillary system. Then he proposed a percolation capillary system
based on the fact that different solutes have different rates of dif-
fusion behavior on paper.8 Washburn proposed a dynamic theory
on liquid percolation in capillaries in 1921,9 which simplified the
problem to a single capillary, as shown in Fig. 1. However, the initial
advancing distance of the liquid at the A end l0 and the air resistance
were ignored. The final percolation distance vs time was given as

l2
=
(PA +D ⋅ g ⋅ h + 2γ

r cos θ)(r2
+ 4εr)t

4η
, (1)

where r is the radius of the circular tube section, h is the liquid depth,
PA is the external driving pressure, η is the liquid viscosity, D is the
liquid density, γ is the surface tension of the liquid, θ is the contact
angle, and ε is the sliding coefficient.

It can be seen that the percolation distance of the liquid in the
capillary is proportional to

√
t.

Based on the simplification ideas provided by the above-
mentioned model, many scholars have conducted extended studies

FIG. 1. Schematic diagram of the percolation model.

to give a modified form of the LW equation. Wang et al. established
a circular cross-sectional tilted composite capillary model composed
of capillary walls with different wettabilities to study the modified
LW equation for capillary wettability15 and then solved the model
numerically to find what large effect the capillary wall component
content, capillary radius, and oil–water viscosity ratio have on the
spontaneous oil–water swelling process. Free energy is related to
the area and slope under the swelling profile, and it was found that
the volume-based wettability evaluation criterion underestimated
the degree of hydrophobicity of the studied rock samples.7 For the
analytical calculation of the LW equation, Hamraoui and Nylander
identified that the driving force of liquid permeation in capillaries
was the interfacial pressure difference,16 which ignored the effect of
inertial forces and considered only gravity and surface tension, and
expressed the other effects using retardation coefficients β1, giving
an analytical calculation of the LW equation. Combining the LW
equation with the Laplace pressure yields

h(t) =
1

4η
[−rβ1 +

√

r2β2
1 + 8η(rβ1h(0) + 2ηh2

(0) + rγ cos (θ0)t)],

(2)

where β1 is the retardation factor, γ is the surface tension of the liq-
uid, r is the capillary radius, θ is the contact angle, ρ is the density of
the liquid, and h is the equilibrium height within the capillary.

This equation yields h proportional to
√

t, which is consistent
with the results of the Washburn equation. The effect of gas type,
formation depth, organic acid concentration, carbon number, and
silica nanofluid on SI kinetics was studied and evaluated using the
modified LW equation.4 The SI rate was found to increase with gas
generation, and the following equation is given:

L =

¿
Á
ÁÀ4(

k
RPT
)(

γLG

μ
) cos θAt, (3)

where L is the distance of the brine spontaneous imbibition (at time
t), k is the rock permeability, μ is the brine viscosity, RPT is the
average pore throat radius, γLG is the liquid–gas interfacial tension,
and θA is the advancing brine contact angle of the rock–brine–gas
system.

B. Piston repulsion model
Handy found that the gas phase is discontinuous during the

percolation,13 and for regions where the gas is not flowing, the
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pressure gradient of the capillary is not able to provide a flow-
ing pressure gradient. It results in the following hypothesis: water
undergoes piston-like displacement in the capillary, and the pressure
gradient at the front edge of the suction front is negligible. Com-
bining the Darcy equation, the capillary pressure equation, and the
continuity equation yields the following equation:

Q2
w = (

2PckwϕA2Sw

μw
)t, (4)

where A is the cross-sectional area of the capillary, ϕ is the partial
porosity, sw is the pore water content, kw is the effective permeability,
μw is the water viscosity, and Pc is the capillary pressure.

The model put forward by Handy does not consider the change
in relative permeability and the effect of gravity, making the square
of the increase in percolation vs the time curve of swelling not cross
the origin of the coordinates, and the percolation of the porous
medium is infinite at infinity, which is obviously wrong. Li and
Horne proposed an expression for the amount of percolation, con-
sidering capillary force and gravity for this problem,10 and found out
how to calculate the effective water permeability kW and capillary
pressure Pc using the following equation:

Pc =
1

(Sw f − Swi)

a
b

ΔρgL, (5)

kW =
μW

AΔρg
b, (6)

where a = Akw(Sw f −Swi)

μwL Pc, b = Akw
μw

Δρg, and Swf is the water
saturation.

The expression for the rate of water absorption QW is also
given,

Qw =
dNwt

dt
= a

1
R

b, (7)

where R is the absorption recovery expressed in terms of pore
volume and Nwt is the volume of water absorbed by the core.

The Handy model is widely used, but its assumptions are sim-
pler and less accurate. It also has some limitations such as not
considering the flow relationships between capillaries. In a single
capillary channel, percolation is driven by a single interface, while
in a porous medium, it is driven by the leading edge of the wetted
phase formed by the interaction of multiple interfaces. Percolation
in capillary channels is usually divided into two models. One is a
model of percolation with one end closed and one end open, called
the OEO model. The other is with both ends open, called the TEO
model, as shown in Fig. 2. Standnes researched samples with dif-
ferent shapes and boundary conditions to investigate the effects of
co-flow and counter-flow seepage on oil recovery,14 and he also
proposed a classification method for the above-mentioned models.

Fischer researched the spontaneous absorption and swelling
of cylindrical Berea sandstone cores by simulating OEO conditions
through tectonic experiments17 and gave an expression for the posi-
tion of the front end of the liquid surface during the percolation

FIG. 2. Schematic diagram of physical models of OEO and TEO.

process x. The expression for the position of the front end of the
liquid surface during percolation is given as

x2
=

2(Pc f − Pcb)
μ0

A0kA0
+

μW
AW kAW

t
RϕA

, (8)

where Pcf is the effective capillary pressure at the leading edge of the
suction, Pcb is the capillary pressure at the opening, A0 is the cross-
sectional area of the oil-bearing region, AW is the cross-sectional
area of the water-phase region, μ0 is the viscosity of the oil-phase,
kA0 is the associated permeability of the region, kAW is the associ-
ated permeability of the water-phase, R is the oil recovery, ϕ is the
rock porosity, A is the cross-sectional area of the core, and t is the
percolation time.

Mathematical analysis was used to correct the viscosity
term, and the mathematical expression of the TEO model was
proposed.12,18 The authors concluded that when the fluid viscos-
ity ratio changes, the effective relative permeability used for stan-
dard analysis changes significantly and the final oil production is
proportional to the square root of time.

C. Capillary bundle model
The shale interior is porous and has a complex pore structure.

The capillary bundle model simplifies the shale interior into closely
spaced capillary bundles for study, as shown in Fig. 3. When oil and
gas are displaced by water, they pass through the large capillaries,
and then the more viscous liquids are replaced by less viscous liq-
uids so that the shape of the recovery curve depends on the size and
number of capillaries.5,19 A capillary beam rheometer based on the
capillary beam model principle is used to perform adhesion mea-
surements of low velocity Newtonian fluids.20 The adhesion force is
shown in Fig. 4, and FW is given using the following equation:

FW = ρgΔh −
8LηQm

nρπR4 , (9)

where ρ is the fluid density, g is the gravitational acceleration, n is
the number of capillary tubes, Qm is the mass flow rate, η is the fluid
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FIG. 3. Physical model of the capillary bundle.

viscosity, and Δh is the difference between the inlet and outlet fluid
levels.

Combining the capillary bundle model with other theories to
study different shale percolations is the main utilization direction
of this model at present. Cai and Yu combined the capillary bundle
model with fractal theory to establish a fractal model for the seep-
age coefficient of oil and gas reservoirs21 and derived the analytical
equation of seepage volume vs time as follows:

V2
Wt = (Aφ)2 σ cos θ

4μ
D f λmax

1 −D f
[(

λmin

λmax
)

D f

−
λmin

λmax
]t. (10)

It can be seen that the percolation volume is linearly related to
the square root of time. The flow rate through the capillary bundle
Q is expressed as the sum of the flow rates of the individual capil-
lary,5 which gives the expression for the permeability of the capillary
bundle model,

k =
μLN
AΔP∫

λmax

λmin

q(λ) f (λ)dλ, (11)

where A is the cross-sectional area of the porous medium, L is
the linear length of the porous medium, ΔP is the pressure differ-
ence between the two ends, λmax and λmin are the maximum and
minimum diameters of the capillary, respectively, q(λ) is the flow
function, f (λ) is the probability density distribution function, and
N is the total number of capillaries.

When calculating the permeability as a function of stress field,
Sun et al. combined the capillary bundle model with the volume
strain to give the percolation flow equation for a single capillary bulk

FIG. 4. Schematic diagram of the capillary bundle rheometer.

phase fluid.22 The value of the capillary bundle can be calculated as
a composite of several single capillaries,

q =
πr4

8μL
ΔP −

πr4
∣ln r − 0.5∣

μ
ε −

2πr3

3μ
τ0, (12)

where r is the capillary radius, L is the capillary length, μ is the fluid
viscosity, ΔP is the pressure difference between the two ends of the
capillary, ε is the interfacial action coefficient, and τ0 is the fluid yield
stress.

D. Scaling model
The effect of these factors on the seepage process can be stud-

ied qualitatively by introducing the scalar equation.23 In the study of
the nature of linear water drive, the rate of oil repulsion is consid-
ered to depend on the length of the capillary and the rate of water
injection, which gives the following equation of complete repulsion
considering the capillary pressure:

f
∂s
∂t
+ V

dF
ds

∂s
∂x
−

k
cμw

∂

∂x
[K0F

dPc

ds
∂s
∂x
] = 0, (13)

where V is the injection rate, c is the oil–water viscosity ratio, F is
the permeability to viscosity ratio, s is the water saturation, μw is the
water viscosity, K0 is the relative permeability of water, and Pc is the
capillary pressure.

The scaling equation was used to calculate the rate of oil
recovery by spontaneous seepage.24 The result was expressed as a
relationship between the rate of oil recovery and the causeless time
to obtain a more generalized scaling equation for a strong water-wet
system, and the causeless time tD was expressed as

tD = [
1

L2
C

σ
√μoμW

√
K
ϕ
]t. (14)

In a subsequent study, Ma et al. considered wettability as a key
factor in determining the capillary driving force and the associated
percolation rate, and they proposed a new method to quantify wet-
tability from the percolation rate.24 The wettability index relative to
the percolation work is defined by plotting the pseudo-percolation
capillary pressure curve, as shown in Fig. 5. It gives pseudo-self-
absorption capillary pressure vs water content saturation, which
expresses the dimensionless time as

tD = [
1

L2
C

σ
μm

√
K
ϕ
]t. (15)

For the calculation of the dimensionless time, different rela-
tions are established for the cases of water and gas parallel flow,
td, self-priming counter-current, tD, and relative permeability with
time, tNEW ,10,18,25

td = c2 kw

ϕ
P∗c
μw

Sw f − Swi

L2
a

t, (16)

tD =
2

L2
C

√
K
ϕ

σt

μw(1 +
√

μnw/μw)
, (17)
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FIG. 5. Capillary pressure vs water saturation.

tNEW =
μ2

μ1 − μ2

⎡
⎢
⎢
⎢
⎢
⎢
⎢
⎣

¿
Á
Á
ÁÀ1 +

√
2k
ϕ σ(μ1 − μ2)t

μ2
2L2

C
− 1

⎤
⎥
⎥
⎥
⎥
⎥
⎥
⎦

. (18)

III. EXPERIMENTAL RESEARCH OF SHALE IMBIBITION
The current seepage experiment is the main method to research

the shale seepage phenomenon, and the method is relatively easy
to implement and can visually observe the changes in the experi-
mental core. However, there are some disadvantages, such as it is
difficult to simulate the pressure, temperature, and other conditions
in the real shale reservoir. The main research methods for seepage
experiments include nuclear magnetic resonance (NMR),26,27 the
volumetric method,28,29 the mass method,30–32 and CT imaging.33–35

The volumetric method and mass method combined with NMR are
the mainstream experimental methods at present.

A. Overview of osmosis
The percolation phenomenon refers to the entry of a liquid into

the interior of a porous medium by capillary action on the contact
surface without an additional pressure difference. The diffusion of
ink on paper, the absorption of water by soil, and the absorption of
dye by fabric all include the phenomenon of percolation. The poros-
ity of shale is low; most of the pore diameters are at the nanometer
level, which has strong capillary force, and liquids can easily enter
the shale under the action of capillary force. Conformal percolation
means that the direction of water inhalation and oil outflow is the
same,10 that is, the direction of the inhalation phase and discharge
phase is the same, generally occurring at the late stage of hydrophilic
bottom percolation. Reverse percolation refers to the opposite direc-
tion of water and oil flow, where the direction of the inhaled phase
and the direction of the expelled phase are opposite, which generally
occurs in low-permeability reservoirs when the resistance of oil and
water through the pore space is higher and oil seeps out from around
the core.36

The Bond number N−1
B is generally used as a criterion when

determining the type of percolation,37 which was proposed by
Schechter and defined as

N−1
B = Cσ

√

1011
×
∅
K
/(ΔρgH), (19)

where C is the constant, σ is the interfacial tension, ϕ is the porosity,
K is the permeability, and H is the porous media height. When N−1

B
is greater than 1, it is mainly reverse osmosis; when N−1

B is less than
1, and it is mainly cis-percolation.

Li and Horne made a correction and gave the following
formula:25

N−1
B = 2Cσ cos θ

√

1011
×
∅
K
/(ΔρgH), (20)

When N−1
B is greater than 5, reverse osmosis occurs; when N−1

B is
between 0.2 and 5, cis-osmosis and reverse osmosis occur together;
when N−1

B less than 0.2, cis-osmosis occurs.25

B. Nuclear magnetic resonance technique
NMR was discovered in 1946, and the NMR technology has

become a powerful tool for studying the seepage phenomenon. By
scanning shale cores with NMR instruments, it is possible to monitor
the distribution of oil and gas being displaced and the fluid between
pores, which makes it a reliable method to study shale seepage.

Meng et al. found through NMR that liquids preferentially fill
small pores during saturated percolation in the Longmaxi Forma-
tion shale and vice versa for unsaturated absorption.38 The saturated
seepage of liquids in typical shale formations in the Sichuan Basin,
Ordos Basin, and Qaidam Basin was studied comparatively using
NMR.26 It was found that microfractures in marine shales gradu-
ally extend during water absorption while matrix pores in terrestrial
shales are compacted or destroyed, leading to pore blockage and
consequently to a decrease in T2 values. The cores were scanned and
analyzed by the NMR technique, the saturation of flowable fluid can
be obtained using centrifugal and gas drive methods,26 and the void
size distribution of the rock can be obtained in combination with
gas adsorption experiments.39,40 Sun et al. used the NMR technique
to obtain the saturated and dry spectra of shale cores from the Sha-
hezi Formation in the Songliao Basin.41 The results in Fig. 6 show
that the core is dominated by nanoscale inorganic pores and the T2
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FIG. 6. NMR spectra of 2 shale cores from well A6 before and after gas drive.

spectrum is dominated by single peaks with relatively undeveloped
microfractures.

Although NMR techniques are widely used in shale percolation
experiments, there are problems such as the influence of param-
agnetic minerals on the detection signal and the small test pore
size due to bound fluids. The application of the NMR technique is
focused on full-scale characterization of pore distribution, poros-
ity measurement, analysis of percolation fluid flow and type, and
wettability discrimination.42 Sun et al. proposed that the effect of
influencing substances (clay water, bitumen, pyrite, etc.) and the
results should be determined and corrected by combining numeri-
cal simulation techniques.41 They also pointed out that the influence
on the shale NMR T2 spectrum should be calculated by changing the
surface relaxation rate of clay water, asphalt, pyrite, etc. In the future,
unsupervised learning methods can also be combined to analyze the
position of the T1 − T2 2D spectrum of free hydrocarbons and the
saturation of free oil.

C. Volume method and mass method
The volumetric method refers to an experimental method for

measuring the volume of oil coming out of a percolation drive.
The oil emergence pattern of the core is researched by reading the
scale change of the suction meter or capillary metering tube. The
volumetric method was used to study the effect of various factors
on spontaneous seepage in fractured low-permeability cores.10 The
effects of core length, oil–water viscosity ratio, matrix wettability,
matrix water saturation, and different pressures on percolation in
low-permeability sand and gravels were considered by a homemade
experimental setup.28 Other scholars researched the seepage mech-
anism and oil yield variation in different shale samples.29,43,44 The
adsorption processes of carbon dioxide and methane in Jilin Hua-
dian shale samples were researched by gas adsorption experiments;31

both were found to go through a rapid adsorption period first and
then an adsorption equilibrium period, and the total amount of
absorption increased with the increase in temperature and pressure.
The VB language was used to solve the problems of inaccurate calcu-
lation of the gas compression factor and large error at high pressure
in the volumetric method, which is given in Fig. 7.45

The mass method is used to research the percolation process
by measuring the weight change of the sample. Since there is a dis-
placement effect when percolation occurs, it will lead to a change
in sample weight, and the percolation pattern can be investigated
by recording the weight change. Yue et al. studied the isothermal
adsorption and desorption of shale by the MSB magnetic levitation
balance weight method.46 Before the experiment, the shale cores
need to be pretreated to exclude the effect of moisture and other
gases on the adsorption experiment.

Different oil and gas substitutes can be selected when using
the mass method for percolation measurements. The shale sam-
ples were soaked and dried using toluene, petroleum ether, and
ethanol, after which the core basal signals were obtained using NMR
instruments.27 By completely drying the mud shale sample of the
Ulalik Formation, followed by adding saturated n-dodecane in vac-
uum, the mass difference before and after is the feed oil mass.32

Yang et al. investigated the mechanism of high-temperature ther-
mally excited seepage increase in the outcrop shale of the Longmaxi
Formation in the Sichuan Basin.47 The experiments compared the
different percolation effects of dry shale and water-bearing shale
after high-temperature thermal excitation, and they found that the
change in the rock mineral fraction and the increase in the micro-
nano-pore throat led to the increase in percolation in dry shale
and that the hydrated swelling of clay minerals and the prolif-
eration of micro-fractures led to the increase in percolation in
water-bearing shale. The effects of shale type and liquid immersion

FIG. 7. Schematic diagram of the volumetric method considering the volume of the
adsorbed phase.
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on proppant embedding were investigated.48 The results showed
that the higher the clay content, the greater the self-absorption,
and the proppant embedding depth is elevated after shale
hydration.

D. CT imaging
With the development of optical technology, the microstruc-

ture of shale can be directly observed by using instrumental imaging,
including 2D imaging techniques such as HIM and SEM and 3D
imaging techniques such as FIB, micro-nano-CT, and micro-CT. CT
imaging originated in the 1960s and 1970s, which scanned the sam-
ple by x-ray beams and obtained digital reconstruction images after
processing, with the advantages of high accuracy. It is widely used in
medical, geological, and other research fields.

The cracks, fractures, and rock skeleton in rock samples can
be visualized by CT imaging. Shi et al. investigated the mechanism
of hydrated fracture development in mud shale from three sections
of the Sujiahe Formation in the western Sichuan area.33 The imag-
ing results showed that the brittle shale has a relatively significant
capillary effect. Han et al. conducted micro- and nano-CT scan-
ning experiments on dense reservoir cores in the Long 7 section of
the Ordos Basin to realize the three-dimensional imaging display of
the pore-throat system and found that the connectivity of the large
throat channels in some shale cores is marvelous.49 Qualitative char-
acterization of the microscopic pore structure of the shale at this site
has demonstrated that the shale oil in the Long 7 section has the
geological basis for large-scale extraction.35 Chen et al. systemati-
cally scanned the pore structure characteristics of marine shale using
pore CT imaging technology in the Sichuan Basin and found that
there were two types of shale fractures,34 namely, microfracture and
grain margin fracture. The pore types can be divided into organic
pore, clay mineral intergranular pore, and mineral dissolution pore.
The stress sensitivity of artificial fractures was investigated by CT
scanning of shale cores from the Longmaxi Formation in the south
Sichuan area before and after perimeter pressure and variable flow
pressure tests, and it was found that the constant perimeter pres-
sure and variable flow pressure tests were more consistent with the
production reality.50 Mao et al. reviewed the application of CT in
detection of a rock’s internal structure and elaborated the principle
and progress of CT through in situ scanning experiments.51 Using
the DVC method combined with micro-CT or other 3D image tech-
niques, together with in situ loading scanning devices, the internal
deformation field of rocks can be effectively measured.

IV. NUMERICAL SIMULATION OF SHALE IMBIBITION
At present, in addition to experimental methods to study shale

percolation phenomena, techniques such as numerical simulations
can also be resorted. Numerical simulation methods have been
widely adopted since the 1950s, and with the increase in com-
puting power, numerical simulation has become a reliable method
to complement experimental studies. Shale percolation simulation
techniques require a description of the basic physical properties
of the shale matrix and the shale fluid percolation. The main
numerical simulation methods currently available are molecular
dynamics methods, lattice Boltzmann methods, and finite element
methods.

A. Molecular dynamics (MD) method
Molecular dynamics (MD) is a technique for studying fluid flow

and its interaction with the flow medium at the molecular and sub-
molecular scale. The MD method refers to the simulation of the
process using a computer and involves a simple mechanism, namely,
the conservation of the total energy (potential energy and kinetic
energy) and the force acting on a fluid particle is usually a vector sum
of the three components of the force arising from the interaction of
the particle with other fluid particles, the force between the parti-
cle and the particles forming the solid wall, and the external force
(gravity and pressure gradient) so that the force F⃗ on particle i can
be written as

F
Ð→
(ri) = miai(t) = mi

dÐ→ri
2

dt2 , (21)

mi
dÐ→ri

2

dt2 = F1 + F2 + F3, (22)

where F1 is the force resulting from the interaction between the fluid
particle i and the other fluid particles in the medium, F2 is the force
between the fluid particle i and the solid wall particles, F3 denotes an
external force, such as gravity, pressure gradient, etc., mi is the mass
of particle i, and ai(t) is the acceleration of particle i.

The transient flow pattern of oil in nanopores and the diffusion
of decane on the graphene surface were investigated by using the
constructed single-walled carbon nanotubes combined with MD.11

Figure 8 shows that the percolation uptake in the carbon nanotubes
increases linearly in a short time as the liquid filling rate increases
significantly and as the tube becomes smaller due to the low time
scale and the low friction on the inner wall of the graphite tube.
After the simulation to study the density distribution and molecular
structure of decane during the percolation process, it was found that
the swelling rate decreased with the increase in the carbon nanotube
radius.52 The transport of oil through inorganic nanopores and the
static properties and pressure-driven flow behavior of liquid hydro-
carbons in inorganic nanopores of shale were studied and simulated
by using the MD method.53–55 Figure 9 shows that octane molecules
with pore diameters below 1.8 nm diffuse slowly while the density,
self-diffusion coefficient, and viscosity of octane molecules with pore

FIG. 8. Oil flow pattern in carbon nanotubes.
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FIG. 9. Octane diffusion rate.

diameters larger than 3.6 nm tend to be equal to those of the contin-
uum liquid.11 Hong et al. combined molecular dynamics simulation
and the pore network to research the gas transport properties and
molecular mechanism in the pore network of non-homogeneous
shale and obtained the gas transport velocity profile.56 Hu et al.
proposed a method to characterize the fluid diffusion mechanism
in shale micro- and nano-pores.57 They used a four-layer graphite
slit structure to characterize the shale pore walls and obtained the
velocity profiles and density distributions of methane molecules in
nanopores under different pore sizes, temperatures, and pressure
conditions by molecular dynamics simulations. The modified sur-
face diffusion coefficients Dsa and Knudsen diffusion coefficients
Dkm are given as

Dsa = 6.5840 × 10−7T0.5e−
ΔH0.8

RT , (23)

Dkm = B
JkmRT
M∇P

. (24)

B. Lattice Boltzmann method
The LBM was developed in the 1980s to simulate the motion

of fluids. Using the lattice Boltzmann equation is computationally
efficient, and it can handle fluid systems consisting of an arbitrary
number of mass and transport coefficient components. Linking the
microscopic and macroscopic aspects, solving the fluid equations of
motion with discrete models, simplifying complex boundaries, and
combined with computational fluid dynamics software, it has a wide
range of applications. The method simulates the fluid flow by solving
a discretization of the kinetic Boltzmann equation defined on a finite
lattice. The equation is simplified as58

fi(t + Δt, r + viΔt) − fi(t, r) =
Δt
τ
[ f (0)i (t, r) − fi(t, r)]. (25)

Due to its simplicity and versatility, the application of the LBM
in complex and multi-scale flows is rapidly developing, most widely

in entropic and turbulent, multiphase flows and deformable par-
ticle and fiber suspensions; interpolation rebound and immersion
boundary-type methods are also very reliable in dealing with flows
in nano- and micro-fluidic devices.59 A multiphase multicomponent
flow is simulated by using the LBM.60 By introducing an interparti-
cle potential, the model allows for massively parallel calculations by
means of local calculations to simulate single-component flows with
Reynolds numbers up to 10. Some scholars then simulated non-ideal
gas and liquid phase transitions, focusing on the modeling of single-
component fluid systems that follow the non-ideal gas equation of
state, and obtained the overall density of the liquid and gas phases as
a function of the class temperature parameter.60

Direct pore-scale simulations to understand the percolation
behavior and its effects are often limited by the complexity of the
pore geometry in the shale matrix and the problem of mixed wet-
tability. To figure out this problem, an improved pseudopotential
LBM was proposed to research the secondary seepage behavior of
complex shale 3D porous structures in pore-scale simulations,61 and
the equilibrium density distribution function f eq

α (x, t) is calculated
by the following equation:

f eq
α (x, t) = wαρ(x, t)[1 + 3

eα ⋅ ueq

c2 + 4.5
(eα ⋅ ueq

)
2

c4 − 1.5
(ueq
)

2

c2 ],

(26)

where f eq
α (x, t) is the density distribution function in the direction of

α, wα = 1/3 (α = 0), wα = 1/18 (α = 1–6), wα = 1/36 (α = 7–18), ρ is the
macroscopic fluid density, eα denotes the velocity in 19 directions,
and c is the velocity of the lattice.

Since the traditional continuity equation is no longer appli-
cable due to the spatial boundary slip and non-homogeneity of
viscosity and density due to the intermolecular interactions at the
nanoscale, Wang et al. proposed a modified LBM to study liquid flow
in nanoporous media.62 This study used coupled molecular dynam-
ics simulations and theoretical models to simulate the liquid flow in
nanoporous media by the local visible viscosity LBM, which gives
the following local apparent viscosity calculation equation:

vapp(x) =
1
N∑

N
α=0

Rα(x)vα−eff (x)vwall

Rα(x)vwall + 4vα−eff (x)ls
, (27)

where N is the number of velocity directions.
The authors extended the single pore flow to nanoporous media

flow, which provided an idea for the extension of single pore to mul-
tiple pores. The results showed the velocity distribution of the LBM
compared with that of the theoretical model. Jiao et al. used the LBM
of heat flow simulation combined with the theory of rock damage
development and developed a coupled pore-scale THM, which can
calculate the THM information of fluid and the effect of fracture and
rock damage on fluid conductivity.63 Zhou et al. proposed a multi-
scale model, as shown in Fig. 10.64 The model combines molecular
simulation with the LBM, where the local adsorption density para-
meter integrates and scales up the molecular simulation results into
the LBM model to study the gas flow pattern in shale nanopores.

C. CFD and FEM methods
Computational fluid dynamics (CFD) is essentially a numerical

simulation technique that uses discrete point variables to simulate
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FIG. 10. Schematic diagram of gas molecule flow in shale microporosity.

continuous physical fields (temperature, velocity, pressure, etc.) in
time and space and obtains an approximation of the variable fields
by establishing and solving a system of fluid dynamics equations.
The finite element method (FEM), also known as the matrix approx-
imation method, is based on the basic principle of decomposing the
solution domain into smaller subdomains and deriving the solution
for the entire solution domain by approximating the solution for the
subdomains.

Currently, CFD and the FEM can be combined with exist-
ing computational software for secondary development and applied
to different research situations. The average flow velocity of the
downward-sloping pipe is higher than that of the upward-sloping
pipe, and the effect of the well slope angle on the water holding
rate in stratified flow is more obvious, as shown in Fig. 11.65 Samuel
and Andrea used CFD numerical simulation combined with specific
control equations and simulated flow in porous shale gas to investi-
gate the diffusion behavior during seepage and the effect of fracture
geometry on flow and found that the early flow behavior of shale is
determined by the geometry of fractures.66

The use of fracturing technology for the transformation of shale
formations can significantly improve the production of shale reser-
voirs, and it can significantly improve the research efficiency. A
numerical model of proppant flow and transport in the horizon-
tal wellbore based on CFD was established to study the proppant

FIG. 11. Relationship between the well slope angle and average flow rate.

transport law in deep shale horizontal fractured wellbores.67 The
reservoir hydraulic-mechanical coupled FEM was established, and
the AFI fracturing process was numerically simulated using the con-
tinuous medium method.68 The process of hydraulic fracturing in
naturally fractured formations was studied by solving intermittent
and continuous hydraulic fracturing equations separately by using a
combination of X-FEM and phase field model.69

V. INFLUENCING FACTORS OF SHALE IMBIBITION
Shale is generally hard, with a dense internal structure, phyl-

lotactic or lamellar lamination, and a large amount of organic
matter, which is different from conventional reservoirs.70 Most of
the shale gas is stored in the micro-nano-pores and micro-fractures
of the shale matrix, and the fracturing fluid undergoes seepage and
drives out the shale gas after hydraulic fracturing. Understanding
the influencing factors of shale seepage can help gain insight into
the seepage phenomenon, which can be applied to improve the
efficiency of shale gas extraction. In the following, the influenc-
ing factors of shale seepage are discussed in terms of both shale
properties and fluid properties.

A. Shale properties
A shale pore structure is characterized by ultra-dense and extra-

low permeability, and the pore scale spans a wide range, which is
generally described by porosity. Shale porosity is generally in the
range of 2%–4%,71 and the initial properties of the rock, such as min-
eral composition, initial water saturation, temperature, and pressure,
can have an effect on the percolation process.

Pore type affects the percolation process by determining the
permeability of the shale. In strongly hydrophilic cores, the greater
the permeability, the faster the percolation rate, and the higher the
ultimate percolation recovery. Pore types of marine and terrestrial
shales can be divided into organic and inorganic.72–74 Spontaneous
percolation oil drive efficiency is closely related to the core poros-
ity permeability, and there is a permeability value that makes the
oil drive efficiency optimal.73 The influencing factors of the seepage
characteristics are more complex, taking the shale of Sec. VII of the
Yanchang Formation in the Ordos Basin as an example, as shown
in Fig. 12.75 For cores with little difference in porosity, the lower the
organic carbon content, the better the fracturing fluid percolation
effect.76

Wettability refers to the ability or tendency of liquid molecules
to spread on the rock surface, and the organic matter contained in
shale reservoirs can change the wettability of shale, thus causing the
shale to exhibit a more complex percolation phenomenon. The main
factors affecting the wettability of rocks are surface roughness, fluid
properties, mineral composition, organic matter, reservoir proper-
ties, and gas content.74 Shale pore space is generally classified into
oil-wet, water-wet, and complex-wet spaces according to the wetness
of the rock.77 In the order of permeability, the cores are strong water-
wet cores, medium water-wet cores, and weak water-wet cores.76

Sun et al. found that the recovery rate of a surfactant in hydrophilic
low-permeability cores was higher than that in oleophilic low-
permeability cores at high temperatures,30 but the improvement in
percolation in oleophilic cores was more pronounced for the active
agent.27 The effect of surfactants on the recovery of hydrophilic
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FIG. 12. Spontaneous osmosis pre-curve.

low-permeability cores at high temperatures was higher than that
of hydrophilic low-permeability cores. Wei et al.,78 Cai and Que
proposed that wettability has a significant effect on the distribution
of two-phase fluids79 and gave a prediction method for the effect
of repulsion efficiency under different wetting conditions. It was
found that hydrophobic walls would promote the seepage rate and
hydrophilic walls would slow down the seepage rate.

The initial water saturation refers to the ratio of the volume
of water in the rock to the volume of the rock pore space before
seepage occurs. The initial water saturation of shale increases with
the increase in the rock’s structural complexity.80 This is because
as the complexity increases, the particle diameter decreases, so the
mud content increases; thus, capillaries contain more water, and the
water saturation is greater. Rocks that contain high water satura-
tion generally have a high resistivity, Wang et al. mentioned that the
reason for the low resistivity of the shale of the Wufeng–Longmaxi
Formation in the Sichuan Basin is having a high organic matter con-
tent,81 and the key factors affecting the beginning water saturation
are organic matter, clay minerals, and their bound water pore vol-
ume. It is generally believed that the increase in temperature will
promote the effect of percolation and that the total volume and rate
of percolation will increase when the temperature increases.44 The
total amount and rate of seepage in individual cores decrease with
increasing temperature because the interfacial tension of the fluid
decreases at high temperatures, which is the main force driving the
seepage, as shown in Fig. 13.76 By comparing the effect of 0.1, 5, and
10 MPa pressure on seepage, it is found that the seepage rate after
pressurization is larger than that before pressurization and the total
seepage also increases with the increase in pressure, which indicates
that the seepage rate and total seepage increase with the increase in
pressure in a certain range.44

The mineral composition determines the pore type and wetta-
bility of the shale to some extent. The transfer and absorption of clay
minerals can lead to changes in the pore structure, which in turn
leads to differences in percolation effects. Shale mainly contains clay
minerals, quartz minerals, calcite, feldspar, and pyrite.80 The total
amount of percolation increases with increasing clay content.75 The
seepage process is generally divided into a clay-dominated zone and
capillary-dominated zone, and it is believed that capillary absorption

FIG. 13. Effect of temperature on shale percolation.

and swelling will take place only after the clay absorption reaches
saturation.82 The effect of clay minerals on seepage is through influ-
encing the initial water saturation of the rock, and the higher the
content of total organic carbon (TOC) in the shale, the slower the
seepage rate, and the lower the total seepage.76

B. Fluid properties
The different stages of fracturing fluid injection into a well dur-

ing shale gas extraction are pre-fracturing fluid, sand-carrying fluid,
and topping fluid. The nature of the fracturing fluid itself affects the
percolation process and can be discussed in terms of interfacial ten-
sion and fluid composition. Interfacial tension can be understood
as the contraction force at the fluid interface, and the mechanism
of formation is the R-value equilibrium theory, which is the result of
molecular interaction at the interface layer. There are different views
on the effect of interfacial tension on the percolation rate. One view
is that the reduction in interfacial tension is beneficial to the per-
colation, and it is found experimentally that the use of active water
can enter smaller pores to reduce the interfacial tension, which can
increase the oil yield and promote the percolation process.58,83 Sev-
eral studies have shown that there is an optimal interfacial tension
to maximize the percolation recovery.84 The optimal interfacial ten-
sion is shown in Fig. 14. The other view is that the reduction in
interfacial tension is not conducive to percolation. Since the driving
force of percolation includes capillary force, when the interfacial ten-
sion is reduced, the capillary force is also reduced, which means that
the percolation force is reduced, thus slowing down the percolation
process.85,86

The effect of ion content in the fluid on the percolation pro-
cess is mainly through changing the permeability and wettability.
The main driving forces of fracturing fluid percolation are capillary
force and clay osmotic pressure.80 The use of cationic active agents
and salt particle solutions can reduce the permeability because inor-
ganic salt ions form a double electric layer on the rock surface and
reduce the water wettability of the rock.74 The effect of fracturing
fluid composition on the percolation process was obtained by an
experimental method,87 and the results showed that the addition
of a cationic active agent and 10% KCL solution to the fracturing
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FIG. 14. Variation in percolation recovery with interfacial tension for different cores.

fluid reduced the percolation capacity of shale. The cationic active
agent increases the wetting angle of the shale surface, and the 10%
KCL solution inhibits the swelling of viscous minerals, resulting in
a reduction in seepage capacity. Cations can inhibit the hydration of
clay minerals and reduce the percolation rate.88,89

VI. CONCLUSIONS AND PROSPECTS
In this study, the progress of shale imbibition research is

reviewed in four aspects: imbibition models in shale, progress
of imbibition experiments, numerical simulation, and influencing
factors of imbibition. The main conclusions from this study are
summarized as follows:

1. The LW model yields a linear relationship between the seep-
age distance and

√
t; the OEO and TEO models developed

based on the piston repulsion model can obtain more accurate
expressions for the front end of the seepage surface; the factor-
less time tD in the scalar model needs to be revised according
to the specific seepage situation.

2. The nuclear magnetic technique is concentrated in shale pore
distribution characterization, porosity measurement, seepage
fluid flow and type analysis, and wettability discrimination;
the CT technique is used to find that there are three pore
types of marine shale: organic matter pore, clay mineral
intergranular pore, and mineral dissolution pore.

3. The combination of the MD method and LBM can obtain the
flow pattern in shale nanopores; using numerical simulation
techniques such as CFD, it is found that the early flow behav-
ior of shale is determined by the geometry of fractures, and
the process of hydraulic fracturing of the formation can be
simulated at the same time.

4. The shale pore type changes the percolation process by affect-
ing the permeability; the larger the permeability, the faster the
percolation rate. The transfer and absorption of clay minerals
will lead to changes in the pore structure, which in turn affects
percolation. The percolation process is generally divided into
clay-dominated and capillary-dominated zones.

The influencing factors of higher water absorption than oil
absorption in the process of spontaneous experiments conducted on
standard plunger small cores are complex, and each factor affects

each other. The influence of each individual factor on water absorp-
tion is unclear and needs to be studied in an extended way. There are
few studies on shale powder percolation at home and abroad, and
powder experiments can extend the understanding of pore connec-
tivity, so it is necessary to carry out related studies and establish the
corresponding normalized recovery model. Wettability is one of the
factors controlling the suction swelling caused by capillary suction,
and improving the measurement method of the macroscopic con-
tact angle and the contact angle measurement method considering
the fluid–solid coupling effect in shale nanopores is a hot direction
for research.

Although some experimental results are approximately the
same as the field results, the geological mechanisms behind these
observations have not been verified. It is mainly due to the various
coupled processes occurring in the reservoir that make experimen-
tal studies extremely difficult and, to some extent, also due to the
variability of mineralogy, which then leads to the inability to fully
simulate the real shale reservoir conditions in the experiments. At
the same time, the loss of large amounts of fracturing fluid from
shale formations during the extraction of shale not only destroys the
capacity of the reservoir but also wastes large amounts of repeat-
able water, putting pressure on areas where water resources are
scarce. Therefore, the future research direction is devoted to solving
the problems such as the formation mechanism of microfractures
and the different percolation lengths of different shales, as well as
improving the recovery rate of fracturing fluid and the impact of
mining on the water resources in shale reservoirs.
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